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Abstract. Relative permeability is a crucial parameter for modeling multiphase flow in porous media.
However, experimental data on COx/brine relative permeability are scarce and often inconsistent due to the
experimental challenges such as solubility and water evaporation. As a result, most of the available
COq/brine relative permeability data cover the early stages of the relative permeability curve, because high
gas relative permeabilities during the drainage process are difficult to achieve. In this study, we propose a
novel approach to estimate drainage COx/brine relative permeability curve from analog fluids and available
COq/brine relative permeability data. Finally, we integrate pore scale modeling simulations to gain
additional insight and propose a workflow to use the analog fluid relative permeability curves to supplement
COq/brine relative permeability curves. We validate our approach by systematically comparing COa/brine
relative permeability curves with other fluid-pairs and demonstrate that we can capture the key features and
trends of the COq/brine relative permeability behavior. Our method provides a simple and promising
workflow to use routine fluid systems to predict COz/brine relative permeability in which experimental

measurements are more challenging.

1 Introduction

Understanding the behavior of fluids within porous media
is essential for reservoir engineering. Relative
permeability is considered as a key factor in accurately
modeling how multiple fluid phases, such as gas (e.g.,
CO3) and liquid, flow through these porous structures.
COy/brine relative permeability has been a subject of
increasing importance given its implications for carbon
sequestration and enhanced oil recovery processes.

The scarcity and inconsistency of experimental data
on COo/brine relative permeability pose significant
challenges for researchers and engineers. These
challenges are primarily due to the nature of the
experiments, which are often plagued by issues like
solubility of CO, in the brine due to changes in
equilibrium, as well as the evaporation of water during the
process. Consequently, the available data tend to focus
predominantly on the initial segments of the relative
permeability curve. Achieving and measuring high gas
relative permeabilities, especially during the drainage
phase, remains a challenging task limiting our
understanding of the relative permeability for a broad
range of saturations. Core-scale experimental studies have
been pivotal in understanding the relative permeability
properties of CO,/brine systems.

Various experimental studies have been published,
detailing drainage CO»/brine relative permeability values
under diverse conditions [1-20]. It is important to
acknowledge the challenges in maintaining COy/brine

%
Corresponding author: jschembremccabe@chevron.com

equilibrium due to temperature and pressure variations,
along with other wuncertainties in core flooding
experiments. These factors make it difficult to achieve
high CO; flow rates during the drainage process, resulting
in scarce data on CO; relative permeability at lower brine
saturations, nearing irreducible levels, in the literature.
Conversely, there is an abundance of relative permeability
data for various field, analog rock samples and fluid pairs
(e.g., nitrogen/brine, mineral oil/brine, nitrogen/mineral
oil) in the literature [14,22-28] and in companies
repositories.

In this analysis, we compare various fluid pair systems
in a narrow set of sandstone rocks published in the
literature [1,7,14,17,18,20,23] under an uncertainty-based
framework [29,30]; in this approach we look at total
mobility and displacement efficiency while observing
capillary numbers and mobility ratios to address the
following questions:

® (Can we employ existent data derived for other fluid
pair to forecast the entire CO/brine drainage relative
permeability curve for samples with similar
properties?

® [s it feasible to represent CO,/brine drainage relative
permeability curve by performing simpler and faster
experiments?

To answer these questions, we propose a workflow and
based on our observations provide guidelines for further
studies.



The 37" International Symposium of the Society of Core Analysts

2 Background

2.1. Source of uncertainties in CO2/Brine studies

We take the framework laid out by Kamath ef al. [29] to
gauge uncertainties in a CCUS project by adjusting to the
objectives of the project (injection and storage) and
bracket the analysis based on the following sources of
uncertainty,

Sample-related uncertainty: sampling focuses on
capturing the variability of the reservoir target, and testing
in this stage is based on solid sampling and
characterization program. For ‘standard testing’ in this
stage, we should focus on Nj-brine or N>-mineral oil
endpoint testing (for injectivity) and CCI for various
initial water saturation for trapped gas.

Process-related uncertainty: a sub-set of samples should
be used to test the effects of various factors, type of test,
cleaning/treating method, capillary number, interfacial
tension, viscosity ratio, reservoir conditions, etc. This is
important to assess the impact of experimental protocols,
which is ubiquitous in projects with a long history and
when working with analog data. Figure 1 shows the
ranges of viscosity ratio and IFT ranges used in most
CO,/Brine drainage relative permeability, the numbers
indicate the reference in this work. Some authors have
done some work on looking at the effects of IFT, viscosity
ratio and/or both!. We will go into more detail on the

effects of each factor in the next session.
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Fig. 1. Viscosity ratio and IFT ranges the literature related to
CO2/Brine drainage relative permeability.

Experimental uncertainties: while design of the
protocols attempt to minimize this type of uncertainties
throughout the whole experimental process, we can still
have them due to various factors. Examples of sources of
experimental uncertainty are cleaning protocols, non-
expected rock-fluid interactions, channeling, end-effects,
incomplete equilibration of fluids, etc.

!'Values of IFT for some of this work was estimated
from experimental conditions reported by the authors.

Subjective uncertainty: while it is difficult to gauge, we
aim to reduce this uncertainty by taking a thorough review
of assumptions made during designing sampling strategy
and gauging the influence of various mechanisms.

Following this workflow, we focus on published studies
performed on sandstones within a limited range of
porosity (17-25%) and air permeability (50-800 mD), and
excluded work that indicated effects of heterogeneity. The
permeability range considered for this subset is larger than
we would generally include as a rock type in the
uncertainty analysis. We are expanding the window of
viscosity ratio and IFT in Figure 1 by including other
fluid pairs generally used in the industry (Figure 2). In this
study, process and experimental uncertainty are our main
concern followed by the subjective uncertainty.
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Fig. 2. Viscosity ratio and IFT ranges considered in this study.

Figure 3 shows the relative permeability for these studies,
colors denote fluid-pairs. Some observations in Figure 3:
(a) the brine (wetting) relative permeability for the
COy/brine pair (in blue) shows larger spread than other
pairs, (b) the CO, (non-wetting phase) relative
permeability shows a narrow range with other fluid pairs
but reaching a lower non-wetting phase saturation (they
generally don’t extend past Syw ~ 55%). This observation
has been discussed in the literature [8, 20, 31,32] and part
of it is due to a combination of low CO, viscosity and the
difficulty in measuring the relative permeability when
equilibrated fluids are needed at high flow rates for an
extended period.
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Fig. 3. Wetting and non-wetting relative permeability for
different fluid pairs in the literature reviewed.

2.2. Capillary number

This research compares selected parameters which
describe fluid flow and rock properties across the different
fluid/rock systems. The ratio of viscous to interfacial
forces is defined for each rock/fluid system with the
capillary number presented in Saffman and Taylor [31],

N. =uw/c (1)

Figure 4 compares relative permeability endpoints for the
non-wetting phase shown in Figure 3 as a function of the
capillary number. Most of these data show capillary
dominated flow. Data for the CO»/brine pair shows even
lower capillary numbers, which is a product of a relatively
high IFT and low rates in the experiments. However,
during CO> injection operations we will need endpoints
for higher capillary numbers to cover the saturations
reached during injection near the wellsite.
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Fig. 4. Non-wetting relative permeability endpoint as a
function of experimental capillary number.

Phase- and Total- Mobility

Total mobility is a measure of injectivity, we first gauge
the uncertainty associated with injectivity by estimating
the mobility for any given two-phase coreflood
experiment by applying,

AT(Spl) = 2p1(Sp1) + 252(Sp1) 2

where the mobilities of injected and displaced (A,4;sp)
fluid are defined by

ﬂpi(spl) = krpi(Spl)/.up 3

Figure 5 shows the total mobility for the reviewed data in
the literature, colors indicate the fluid pair, in this plot we
use the reported experimental viscosity. This plot shows
lowest total mobility for mineral oil/brine experiments
compared to the other fluid pairs. A relatively low total
mobility can only be achieved if the mobility of each
phase is low; and a high total mobility can be achieved if
either one or both phases are high. As we go towards
increasing non-wetting phase, which is gas in two of the
fluid pairs, the gas mobility moves this injectivity
upwards.
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Fig. 5. Total mobility as a function of non-wetting phase
saturation (injected phase). Total mobility is calculated using
viscosities in experimental conditions.

2.3 Fractional Flow

The fractional flow equation [34] is useful to understand
the combined effect of viscosity and relative permeability
in displacement, the fractional flow assumes linear one-
dimension, incompressible, immiscible fluids, and can be
written as [35]

1

fo1r = % 4
rp2H1

For consistency across the study, we define p/ in
equations 2, 3 and 4 as the phase being injected. Figure 6
shows the fractional flow for the data reviewed, using the
experimental viscosities. As in the case of injectivity, the
COy/brine pair is between the mineral oil/brine and
Na/brine; Na/brine and Ny/mineral oil are in the same
range. As a side note, when we plot data as total mobility
or as fractional curve, we have a combination of the
effects of variability of the plug and experimental
protocols; the next section describes a brief exercise to
differentiate one effect from the other.
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Fig. 6. Non-wetting fractional flow as a function of non-wetting
saturation. (Fractional flow calculated using viscosities at
experimental conditions).

3. Geological and Process related

uncertainty

3.1 Digital Rock Analysis.

When looking at these studies, we are facing the issue that
geological and process uncertainty are intertwined; the
fluid viscosity ratio ranged between 0.02 and 1, and IFT
between 20 and 60 mN/m (approximately). While these
factors certainly affect the relative permeability, we could
use digital rock physics to see how they move the
uncertainty band while we look at them under the
framework.

Digital rock simulations were done using lattice
Boltzmann on high resolution image (2 pm/voxel) of a
Bentheimer sandstone sample, with a porosity of 24% and
permeability 2,400 mD. Three numerical experiments
were done with non-wetting to wetting phase viscosity
ratios of 0.02, 0.1 and 1 while keeping the capillary
number constant at 10 (see Figure 7). These viscosity
ratios are representative of the studies reviewed in this
work. A similar trend in the relative has been captured
experimentally [2, 19] and using digital rock physics [36,
37].

In the last section, we use the experimental viscosities to
look at the effect of experimental conditions on the
mobility and fractional flow. We follow up with the
exercise of showing how these sets of relative
permeability in Figure 7, that have been obtained with
different mobility ratios (process uncertainty), affect
output, total mobility, and fractional flow. These are
shown in Figure 8 and Figure 9, respectively, for the case
of using the same non-wetting to wetting phase viscosity
ratio (0.1) in computing each curve. Use of the frontal
advance equation (Figure 10), is another way of using
fractional flow information in Figure 9 to identify, rank

and quantify effects of experimental conditions on
remaining fluid saturation [29].
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Fig. 7. Wetting and non-wetting relative permeability for
different non-wetting to wetting phase viscosity ratios at
constant capillary number.

This exercise illustrates the effects of process (in this case,
viscosity ratio) when the uncertainty due to contribution
of the variability in the samples is removed from the pool
of data to be analyzed. Figure 8, Figure 9, and Figure 10
show that the uncertainty range is small compared to what
we observe in the literature, if we only take viscosity ratio
as the variable. We did not probe other factors such as IFT
and/or capillary number but based on the range of results
obtained by other authors [36] on Berea Sandstone, we
expect to see similar limited effects in the uncertainty
band for the considered range. Nonetheless, this should be
investigated further.
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Fig. 8. Total mobility as a function of non-wetting phase
saturation (injected phase). Total mobility is calculated using
relative permeability in Figure 7 with viscosity ratio of 0.1.
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Fig. 9. Fractional flow of the non-wetting phase calculated
using relative permeability in Figure 7 with viscosity ratio of
0.1.

0.9 . ——Curve 1, Visc ratio = 0.1

Wetting phase saturation, S,

Non-wetting phase PVI

Fig. 10. Wetting phase saturation as a function of PVI, using
relative permeabilities in Figure 7 with viscosity ratio of 0.1.

3.2 Integrated uncertainty-based workflow

In the system under investigation, characterized by high
IFT, conventional sandstone within a limited range of
porosity and permeability, low capillary numbers and
strong water-wet conditions, we anticipate that the
relative permeabilities and associated mobilities will be
confined to a certain range. Selecting samples with
satisfying rock properties would address geological
uncertainties to a certain extent, particularly those related
to porosity and permeability.

Under the uncertainty framework, we estimate three sets
of relative permeability that yield low, medium, and high
injectivity. Total mobility is a good proxy to rank the set.
We identify low, medium, and high cases for the total
mobility and displacement curves to represent the effect
of any given set of relative permeability on the modeling
of injectivity. Plots in Figure 11 and Figure 12 illustrate
the total mobility and displacement curves, respectively,
for the sets of relative permeability shown in Figure 3.
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Fig. 11. Total mobility as a function of non-wetting phase
saturation (injected phase). Total mobility is calculated using
relative permeability in Figure 3 with viscosity ratio of 0.1.
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Fig. 12. Wetting phase saturation as a function of PVI, using
relative permeabilities in Figure 3 with viscosity ratio of 0.1.

Figure 11 displays the effect of the wide range of
uncertainty in the wetting phase for the CO»/brine pair for
the lower values of non-wetting saturation, which may be
likely caused by experimental artifacts. We also see some
trend towards lower injectivity for the CO»/brine.

Considering the uncertainties in these measurements and
the trends observed in Figure 11 and Figure 12, CO,/brine
can be approximated by using gas/mineral oil or Na/brine
if measurements are not available, weighting towards low
values for the non-wetting phase. This finding enables us
to use conventional drainage Ny/mineral oil
measurements, routinely measured for oil and N, projects,
from analog fields. The wetting phase uncertainty window
can be narrowed somewhat by narrowing the range using
this method, which accounts for both geologic and
process uncertainty.

Based on the range of data and trends in Figure 11 and
Figure 12 as guides, we estimate three sets of relative
permeability that yield low, mid, and high case scenarios
for injectivity. Figure 13 shows the sets estimated for this
study, with the corresponding total mobilities and
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displacement plot in Figure 14 and Figure 15,
respectively.
1
0.9
0.8
0.7

0.6

Kr

0.5

0.4 CO2-Brine
N2-Mineral oil
N2-Brine

Mineral Oil-Brine

0.3

0-2 == Scenario 1

0.1 = Scenario 2

== Scenario 3

0

D ——

0 0.2 04 0.6 0.8 1

Fig. 13. Relative permeabilities as shown in Figure 3 (symbols)
with sets of relative permeabilities corresponding to three
scenarios in Figure 14 and Figure 15.
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Fig. 14. Total mobility as a function of non-wetting phase pore

volumes injected). Data in Figure 11 is shown as symbols and
the three scenarios obtained from sets shown in Figure 13.
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Fig. 15. Wetting phase saturation as a function of PVI. Data in
Figure 12 is shown as symbols and the three scenarios obtained
from sets shown in Figure 13.

4. Use of analogs

Measurements of drainage relative permeability using
nitrogen/mineral oil pair are routinely performed as they
are part of most core analysis programs in oil and N;
operations. To show the application of this data in CCUS
studies, we chose nitrogen/mineral oil measurements in a
target field with similar properties to those studies in the
previous sessions.

Figure 16 and Figure 17 show the total mobility and
wetting phase saturation as a function of PVI shown in
Figure 11 and Figure 12, respectively, when adding
results using nitrogen/mineral oil relative permeability
measurements in analog samples from our target field.
Both figures show good agreement in the uncertainty
range. This uncertainty range goes through the same
analysis to derive low/mid/high COo/brine relative
permeabilities.

Figure 18 compares the typical range of viscosity ratio and
IFT for nitrogen/mineral oil with the data analyzed in this
work. The fact that we are in the region close to the middle
of the range together with the capturing of rock with
relatively similar rock properties, explains in good part
the agreement in the uncertainty band.

The nitrogen/mineral oil drainage relative permeability
measurements are generally performed in samples with
connate water saturation, which will result in a final state
with liquid saturations (i.e., SwetSore) higher than what we
expect in the CO> injection, and as in the case of previous
session, plot in Figure 12 is valuable in extrapolating
endpoint to target minimum water saturation endpoint.
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Fig. 16. Comparison of total mobility as a function of non-
wetting phase pore volumes injected (injected phase) obtained
for previous session with different fluid pairs (Figure 11) as
white circles and field analog nitrogen/mineral oil data used for
this example (dark symbol).
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nitrogen/data used in this example shown as dark symbols.
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5. Recommendations

Based on the observations made in this study, here are
some recommendations for ongoing and future work:
In cases where CO,/brine data is not available:

e  Check for ranges of viscosity ratio and IFT covered
during the injection / storage process to validate use
of analog fluids.

e Use of Nu/mineral oil and/or Ny/brine relative
permeability in analog fields within porosity,
permeability, and clay composition range.

e  The assessment of minimum water saturation reached
during injection should be done by looking at porous
plate and centrifuge data, and the endpoint of N,
relative permeability should be estimated by using
combination of fractional flow plots with total
mobility (Figure 11 and Figure 12).

e  When estimating relative permeability, we may need
to consider that Na/mineral oil could be on the
optimistic side and adjust for it.

In cases where CO,/brine studies are planned:

Recommend planning for two sub-sets of tests:

e Measurements to probe the geological uncertainties
consists of measurements of N2/mineral oil and /or
N2/brine endpoints at multiple flow rates. These
endpoints, together with capillary pressure are used
as guardrails during the methodology described in the
previous section and help simulation engineers with
decisions about binning based on grid properties.

e Measurements to probe the process uncertainty
consist of:

o Seventy percent (70%) of efforts focused on
complete No/mineral oil or Ny/brine relative
permeability.

o Additional percentage (30%) of efforts focus
on  CO/brine  Steady-State  relative
permeability tests. Follow with Unsteady State
endpoints after the CO,/brine Steady State
measurements are completed.

6. Conclusions

The scarcity and inconsistency of experimental data
on COo/brine drainage relative permeability, due to the
nature and complications of these experiments, limits our
understanding of the relative permeability for a broad
range of saturations and challenges the effective
representation of the injection mechanisms for the CCS
projects.

In this study, we compared various fluid pair systems
in a limited set of sandstone rocks published in the
literature and analyzed the data under the lenses of total
mobility and displacement efficiency. The workflow
allows for analysis of different fluid systems compared to
COy/brine and gauge effects of the various source of
uncertainty.

Our findings indicate that while we can use
nitrogen/mineral oil and/or nitrogen/brine testing as
analog for these measurements, the slightly lower total
mobility exhibited by CO,/brine pair can be a concern.
We recommend, whenever feasible, to perform some
limited experiments with CO,/brine in the low saturation
range and complete the relative permeability saturation
range with analog fluids.

Nomenclature

CCI: counter-current imbibition test.
CCUS: Carbon Utilization and Storage.
f: fractional flow, as defined in eq. 4.
IFT: Interfacial tension, also known as a.
k,: relative permeability.

Nc: Capillary number, as defined in eq. 1.
PVI: pore volume injected.

: saturation,

: speed of advance,

: mobility, as defined in eq. 3

: viscosity

: interfacial tension, also written as IFT.

QE & W
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Subscripts

L: liquid

nw: non-wetting phase

w: wetting phase

Pn: phase 7.

¢ = total, both phases, in the context of mobility, eq. 2
L=liquid
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