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Abstract. We use X-ray micro-tomography combined with a high-pressure high-temperature steady-state
flow apparatus to simultaneously measure relative permeability and capillary pressure in a carbonate core
from a producing oil field from the Middle East. The native reservoir wettability conditions were restored by
ageing the sample at 10 MPa and 80 °C. Imaging and measurement of steady-state relative permeability were
performed at eight water fractional flows (fw = 0, 0.15, 0.3, 0.5, 0.7, 0.85, 0.95, 1), while measuring the
pressure differential across the sample. The formation brine was doped with 30 weight % KI to resolve the
fluid saturation in the macro- and the sub-resolution pores. The measured relative permeabilities indicated
favourable oil recovery with a cross-over saturation above 60%. Below this saturation the water relative
permeability is low, while above it oil still flows through thin layers resulting in additional recovery. We
quantify oil recovery from both macro-pores and micro-pores. The measurements of the interfacial curvature
indicated negative capillary pressure that decreased with an increase in fractional flow, which is a signature
of predominantly oil-wet media. Overall, this work has important implications for improved oil recovery in
mixed-wet reservoirs. The measured relative permeability, capillary pressure and fluid distribution can also
be used to benchmark and validate pore-scale models.

1 Introduction

Designing subsurface processes such as hydrocarbon
recovery and geological carbon dioxide storage requires
an understanding of multiphase fluid flow in natural
porous media [1-3] which is described by relative
permeability and capillary pressure [1,4-6].

Conventionally, three main special core analysis
(SCAL) methods are used to measure capillary pressure.
These methods include the centrifuge, the porous plate
method, and mercury intrusion capillary pressure, MICP
method [5, 7-9]. All of the three methods have advantages
and limitations. The centrifuge method, for instance, is
difficult to conduct at subsurface conditions and boundary
conditions influence the measured data [8]. On the other
hand, the porous plate method can produce a
homogeneous saturation profile using reservoir fluids. It
is also considered reliable for both drainage and
waterflood [6, 10]. However, the porous plate method
takes a relatively long time to reach capillary equilibrium
at every point in the measurement [11]. MICP is cost-
effective and can be conducted in a relatively short period
of time. However, the sample can be used only once as
this method is destructive. In addition, mercury has a
different wettability than reservoir rocks and is used to
perform drainage only. Finally, this method is limited to
small rock samples.

* Corresponding author: a.alhammadil S@imperial.ac.uk

Relative permeability is accurately measured by the
steady-state method which applies a sequence of
fractional flows ( fi,) at which the pressure differential due
to flow is recorded and the saturation measured from
either mass balance or imaging [4, 12]. The relative
permeability is usually measured on a different rock
sample from the capillary pressure with experiments that
employ different displacement methods. Capillary
pressure and relative permeability could be measured on
the same sample using the semi-dynamic method,
however, it is time consuming.

Recently, non-destructive three-dimensional imaging
using X-ray micro-tomography has been improved and
combined with high-pressure and high-temperature
injection to study multiphase flow in permeable media
[13-23]. This has facilitated the measurement of relative
permeability by accurately measuring the pressure
differential across a small rock sample during a steady-
state displacement combined with pore-scale imaging.
This method has been used to measure relative
permeability of a water-wet Bentheimer sandstone [24].

The same pore-scale images used to quantify brine
saturation can be used to measure interfacial curvature by
capturing the fluid-fluid interface [20, 25] which can then
be used to calculate capillary pressure using the Young-
Laplace equation. Recently, both capillary pressure and
relative permeability have been measured simultaneously
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on the same water-wet Bentheimer sample during a
steady-state experiment [26].

However, hydrocarbon reservoirs are rarely water-
wet, but instead have mixed-wettability as a result of
contacting crude oil [27-29], where parts of the pore space
remain water-wet while others through direct contact with
the polar components become more oil-wet or neutrally-
wet [29, 30]. Relative permeability and capillary pressure
are affected by the wettability state of the rock [31-35].
Recently, both water-wet and mixed-wet relative
permeability were measured using X-ray images on
Bentheimer sandstone saturated with Soltrol-130 as an oil
phase [36] which showed an evidence of increased
ganglion dynamics at low water saturation. Another
complexity arises when studying carbonates, for which
characterisation of micro-porosity is necessary since it
can enhance pore space connectivity. For this purpose, a
differential imaging method was developed for studying
single-phase flow [37, 38] and multiphase flow [24, 39].
Gao et al. [40] studied steady-state relative permeability
in a water-wet micro-porous limestone. Using differential
imaging to characterise fluid occupancy in micro- and
macro pore space, it was demonstrated that relative
permeability and oil recovery were impacted by water-
wet  micro-porosity  which  provided additional
connectivity to the water phase.

Nevertheless, all of the studies that used pore-scale
imaging to measure relative permeability were conducted
on quarry samples and used refined oil at room
temperature. To have a thorough understanding of the
multiphase flow properties in a mixed-wet reservoir, it is
vital to carry out experiments on heterogeneous reservoir
rock systems at subsurface conditions.

In this study, we use a complex carbonate reservoir
rock extracted from a very large producing oilfield which
has a heterogeneous pore structure that is saturated with
crude oil and the prepared formation brine from the same
reservoir at subsurface conditions. We use the X-ray
micro-tomography to acquire pore-scale images from
which brine saturation was calculated while measuring
pressure drop across the sample to obtain the relative
permeability. The same pore-scale images are used to
determine the local capillary pressure and fluid occupancy
in the pore space.

2 Materials and methods

2.1 Materials

2.1.1 Porous media

Two carbonate reservoir rock samples were drilled and
assembled together to make a longer sample (50.1 mm in
length) and 6.2 mm in diameter. The rock was mostly
calcite 99.8 + 0.5 weight% with small amounts of quartz
0.2 + 0.1 weight%. The chemical composition was
measured by X-ray diffraction analysis performed at the
Natural History Museum, London, UK. The rock had a
total porosity of 27.4% (measured on the X-ray
segmented image) and a brine permeability of 292 mD.

2.1.2 Oil phase

Crude oil from the same reservoir was used as an oil phase
to saturate the sample. The crude oil had a density and
viscosity of 812 kg/m® and 1.94 mP.s respectively,
measured at 60 °C. The crude oil contained 55.23%
saturates, 38.07% aromatic, 6.22% resins and 0.46%
asphaltenes, measured by Weatherford Laboratories.

2.1.3 Water (brine) phase

Prepared formation brine was used as the aqueous (water)
phase, containing Sodium, Calcium, Magnesium,
Chloride, Sulphate and Bicarbonate. After preparing the
formation brine, it was doped with 30 weight% Potassium
Iodide to resolve water and oil in the sub-resolution pore
space. The density and viscosity of the used brine were
1,344 kg/m® and 0.83 mP-s, respectively measured at 60
°C.

2.2 Methodology

2.2.1 Core holder assembly and high-pressure high-
temperature flow apparatus

Before commencing the flow experiment the carbon fibre
core holder assembly had been prepared with dry and
clean rock sample, which is described as follows and
shown in Figure 1.

* Firstly, two reservoir rock samples were drilled while
running tap water as a coolant fluid.

* Both ends of the samples were made flat to have a
perfect fit with each other and with the metal end-pieces.

* The samples were solvent-cleaned with a mixture of
50/50 volume% methanol and toluene [41] and dried
overnight.

* The dry samples were inserted inside a Viton sleeve.

+ The Viton sleeve was connected to the co-injection
metal end-piece from the base side and to the top metal
end-piece from the top side, which had a tight fit over both
end-pieces to avoid confining fluid leaking into the
sample.

* The thermocouple was inserted through the base of the
core holder and placed carefully next to the sample to
measure the pore space temperature.

* A flexible heating jacket was wrapped around the carbon
fibre sleeve to elevate the sample temperature.

* Both end-pieces were connected to polyether ether
ketone (PEEK) tubing through which crude oil, formation
brine and confining DI water were injected. The PEEK
tubing was used to allow smooth and flexible rotation of
the whole core holder assembly while acquiring X-ray
images without shifting the sample.



* Three-way valves were connected to all oil, brine and
receiving lines which is considered as a crucial
component for the success of the experiment. The
combination of three-way valves was used to divert air out
of the lines and avoid having any air in the sample.

* Furthermore, the three-way valves were used to isolate
the whole core holder assembly in preparation for its
transfer into an oven for the ageing process at high
pressure and temperature followed by the transfer of the
core holder assembly back to the micro-CT enclosure to
perform the steady state experiment on the aged sample.

* The completed core holder assembly containing a dry
sample is shown in Figure 1.

The next step was performing the steady-state flow
experiment using the experimental apparatus shown in
Figure 2. A combination of four high pressure syringe
pumps was used to apply constant oil and brine flow rates
and maintain high pore and confining pressure. The core
holder can withstand high pressure and temperature, yet
is almost transparent to X-rays [42]. A co-injection end-
piece was used to inject both crude oil and formation brine
simultaneously into the reservoir rock sample. A
proportional-integral-derivative controller (PID) was
used to apply constant elevated temperature through a
flexible heating jacket. The pressure differential across
the rock sample was measured by a 300 kPa pressure
transducer.

* Firstly, a confining pressure of 2 MPa was applied to
squeeze the Viton sleeve onto the sample to prevent fluids
flow on the side of the rock sample. At this stage a dry
reference scan was taken.

* The air was removed out of the pore space by injecting
carbon dioxide which was followed by brine injection to
fully saturate the pores. At this stage a brine reference
scan was acquired.

» The absolute permeability was measured by applying
five flow rates in single phase brine injection.

* After that the core holder assembly was isolated using
the three-way valves and moved to an oven at which
primary drainage and ageing was performed at 10 MPa
and 80 °C over a period of two weeks to establish the
mixed-wettability conditions known to exist in
hydrocarbon reservoirs [27-29].

* After completing ageing, the core holder assembly was
isolated and moved back carefully into the X-ray micro-
tomography scanner.

* The PID controller was connected to the core holder
assembly to maintain pore space temperature of 60 + 1 °C.
The back pressure valve was set to maintain a pore
pressure of 1 MPa while the confining pump applied a
confining pressure of 3 MPa.
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Fig. 1. A schematic demonstration of the core holder assembly
with the rock sample. All of the core holder assembly
components are labelled with the internal cross-section view of
the core holder.
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* A total of eight brine (water) fractional flows were
imposed to measure the relative permeability (f,= 0, 0.15,
0.3,0.5,0.7,0.85,0.95 and 1). The total co-injection flow
rate was 0.02 mL/min. At the first fractional flow point
(fw=0), only oil was injected at 0.02 mL/min. Then, the
water fractional flow was increased to 0.15 with water
rates of 0.003 mL/min and oil rate of 0.017 mL/min. The
water fractional flow was increased in steps to 100%. At
fw=1, the water flow rate was increased (from 0.02
mL/min to 2 mL/min) to reach residual oil saturation,
which was then decreased back to 0.02 mL/min at which
the pressure drop was measured.

The co-injection of crude oil and formation brine at each
water fractional flow continued for at least 20 hr. Two
overlapping scans (one hour each) were taken at a
stabilized pressure drop at the end of the flow period.
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Fig. 2 : The high-pressure high-temperature flow apparatus consists of five main components. 1. Core holder assembly. 2. High
pressure syringe pumps to control the flow rates, confining pressure and back pressure. 3. Back pressure regulator. 4. PID controller to
control the applied temperature. 5. Pressure transducer recording the pressure differential across the sample.

2.2.2 Three-dimensional X-ray imaging and image
processing.

We used a Zeiss Xradia 510 Versa X-ray micro-
tomography scanner to take the high resolution three-
dimensional X-ray images. All scans were acquired at an
energy and power of 75 keV and 6.5 W, respectively. A
flat panel detector was used to obtain a large field of view
with a voxel size of 3.567 um with a total number of
projections of at least 3,200 to acquire good quality
images. All tomograms were reconstructed using the
Zeiss Reconstructor Software and the most appropriate
centre shift correction value was applied.

The two overlapping images were all normalized to
the brine reference scan and stitched together to form a
larger image with a total size of 6 x 6 x 9 mm?, with 7.1
billion voxels. The stitched images were then registered
to the stitched dry reference image to have the same
spatial orientation that facilitates an accurate fluid
quantification at the same location by differential
imaging. The grey-scale images were filtered using the

non-local means filter [43, 44]. To quantify oil and brine
saturation accurately, the differential imaging technique
was used [24, 37, 39] to segment the 6 x 6 x 9 mm3
images. This method allows us to quantify oil and brine
volumes in small pores that cannot be explicitly resolved
in the image. The pore space and rock phases were
segmented at the beginning from the difference between
the two reference scans (dry and high contrast brine
scans). The 30 weight % KI added to brine had an even
higher grey-scale value than the solid grains. The
difference images were able to identify low density
minerals or isolated micro-pores. Then, a two-step
watershed segmentation [45] was used to segment solid,
micro-porous grains and macro-pores. The next step was
to segment the oil phase in macro-pores (pores that could
be resolved in the image) and micro-pores (pore space
below the image resolution) by applying the image
difference between the multiphase scans and the high
contrast brine scan. The oil and brine phase were
segmented using grey-scale interactive thresholding for
all water fractional flows.
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Fig. 3: Three-phase segmentation of the rock and pore space. On the left, the difference image between high contrast brine reference
scan and the dry scan is presented. On the right, the segmented solid, micro-porous grains and macro-pores are shown.

A smaller sub-volume was extracted with an image
size of 2 x 2 x 2 mm® to measure the oil-brine interfacial
curvature from which capillary pressure was calculated.
The smaller sub-volume image was segmented using the
same method described above, but the image difference
was applied between the multiphase scans and the dry
reference scan to generate very sharp brine-oil interfaces
that could capture the shape of the fluids and interfaces in
the pore space.

2.2.3 Pore-space characterization

The reservoir rock is made up of a complex and
heterogeneous pore space with a wide range of pore sizes
from sub-microns to millimetres. To accurately
characterize such heterogeneous porous media in 3D, we
use differential imaging between the high contrast brine
reference scan and the dry reference scan which provides
an accurate segmentation of solid, micro-porous grains
and macro-pores, Figure 3. The total pore volume was
quantified by

PV =1 X Vingero + @y X Vimicro (M
CTsub - CTgrain
bsub = @)
CTmacro — CTgTain

which is simply the summation of the macro-pore and
micro-pore volumes.

The contribution to porosity of the micro-porous space
was determined by plotting the histograms for the grey-
scale voxels in the brine reference image to find the peak
(CT) in each phase and calculating the sub-resolution
porosity fraction (¢)gyp), Figure 4. The total of macro-
and micro-porosity measured from X-ray differential
imaging was 27.4 % (where the macro-pores contributed
65.8% to the total porosity with 34.2% from the micro-
pores) compared to a helium porosity of 27.8 % measured
on the 1.5 inch (38 mm) core plug from which the rock
sample was drilled. The MICP porosity was 27.0 %
measured on a trim of the larger plug. The consistency of
these wvalues indicates that we have imaged a
representative elementary volume of this rock.
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Fig. 4: The histograms of the grey-scale voxels in the brine
reference image used to calculate the sub-resolution fraction in
the micro-porous matrix.
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Fig. 5: A schematic diagram shows the brine quantification
diagram in all phases of the reservoir rock.

2.2.4 Water saturation quantification

The water saturation was quantified in both macro-
pores (pores that can be resolved by the image resolution)
and micro-pores (pores that have sizes smaller than the
image resolution). The difference image between the
multiphase scans at different fractional flows and the high
contrast brine reference image accurately distinguished
between the oil and brine phases in micro-and macro pore
space. Figure 5 shows a schematic diagram of how the
brine and oil were quantified.

Firstly, by differential imaging we were able to
distinguish the intermittent phase in macro pores in which
both oil and brine periodically existed as a single phase
during the one-hour scan. The brine saturation in the
intermittent phase that existed in the first two fractional
flows was quantified by

CT; ter — CT, il
Sw_inter macro = d)interm ®

where @i 18 the fraction of the intermittent phase in the
total pore volume. CT refers to the peak grey-scale value
found for each phase in the histogram of the raw multi-
phase image.

Similar to the recent study by Gao et al. [40] on
Estaillades limestone we observed that with increased
fractional flow some voxels in micro-porosity did not
change their grey scale value (their difference image value
was zero), while the grey-scale value of other voxels
decreased since some of the initially residing oil was
displaced. We therefore infer that the former were always
occupied by brine as micro-pore phase I, while the latter
was micro-porous phase II consisting of both brine and
oil. This is illustrated for £,=0.5 in Figure 6.

The brine saturation in micro-pore phase I is equal to
the pore space fraction in micro-pore phase I (¢b;) that is
fully saturated with brine. Whereas, the brine saturation in
micro-pores II is quantified by

CTPFmicropores_CTail (4)

S . = ¢
W_PF_microporell PFM
- P CThrine=CToil

where ¢pp) represents the fraction of the partially filled
micro-pore space. CT refers to the peak grey-scale value
found for each phase in the histogram of the raw
multiphase image. The quantified brine saturation in
macro and micro pore space at fractional flow 0.5 is
shown over the length of the sample in Figure 7.

Fig. 6: a. Multiphase scan at fw=0.5 where oil, rock and brine are shown in black, grey and white respectively. b. High contrast brine
reference scan. c. Difference image between multiphase scan and the high contrast scan, where oil is shown in white and, rock and

brine are shown in black.



3 Results and Discussion

We focus attention on the measured relative permeability
and capillary pressure in the mixed-wet carbonate sample
and interpret the behaviour based on the pore occupancy
obtained from micro-CT images.
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Fig. 7: Brine saturation profile of f+=0.5 in macro-pores (red),
micro-pores (orange) and total (black).

3.1 Relative permeability

The relative permeability of brine and oil were calculated
using Darcy's law. The brine saturation at each fractional
flow was measured on the segmented X-ray images while
the pressure differential across the sample was measured
using the pressure transducer. The in situ wettability was
measured at f,=0.5 on the segmented image showing a
mixed-wet system with predominantly oil-wet surfaces
with a mean contact angle of 113° + 20°, [29, 46, 47]. As
observed from Figure 8, the brine relative permeability is
low and approximately constant until the cross-over point
which occurs at S,=63%. This means that, despite
increasing fractional flow and saturation of water, there is
no increase in water connectivity in the pore space.
Approximately just before the cross-over point, water
permeability starts to increase and above f,=0.7 rises
more steeply to high values, which is an indication of the
enhanced connectivity in both macro- and micro-pore
space.

The oil relative permeability remains finite after the
cross-over point until the residual oil saturation, S, is
attained. This is an indicator of oil connectivity at low oil
saturations that is achieved through layer flow and has
very important implications for favorable oil recovery.
This finding is also supported in Figure 9 showing one-
dimensional water saturation profiles along the core. We
observe a significant additional oil recovery when f is
increased from 0.95 and 1 to reach residual oil saturation.
In addition, significantly higher oil recovery is observed
for fractional flow changes between 0 and 0.5, which is
consistent with the previously explained observation of
approximately constant water relative permeability. More
detailed pore-scale observations associated with favorable
oil recovery in the mixed-wet carbonate reservoir rock are
presented elsewhere [48].
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Fig. 8: Relative permeability measured for a steady state oil-brine waterflood in the mixed-wet reservoir carbonate sample. The error
bars account for pump accuracy that controls flow rates and pressure measurement across the sample, and the uncertainty in the

measurement of saturation from the images.
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Fig. 9: Total brine (water) saturation profiles averaged in slices perpendicular to the flow direction for all of the eight water
fractional flows over the length of the analyzed image. The lowest profile is for fw=0 and the top is fw=1.

The pressure differentials across the sample at the eight fractional flows are shown in Table 1. The sample pressure
drop gradually increases with fractional flow increase until around the cross-over point. Here the pressure differential is
highest as oil and brine have similar saturations and compete to flow through the same pores.

Table 1. Pressure differential across the sample at the eight fractional flows. SD indicates standard deviation and represents the
fluctuations observed in the pressure recordings.

fw 0 0.15 0.3 0.5 0.7 0.85 0.95 1
Total pressure drop (kPa) 6.61 10.30 18.04 42.61 40.88 36.04 25.74 5.81
Line pressure drop (kPa) 2.18 2.16 6.11 10.28 13.11 9.91 5.68 2.36
Sample pressure drop (kPa) 4.43 8.14 11.93 31.33 27.77 26.13 20.06 3.45
Sample pressure drop SD 0.13 0.22 1.89 0.36 0.32 0.29 0.25 0.13
(kPa)
3.2 Capillary pressure
Understanding capillary pressure, which controls fluid =003 -iﬂf:":“:i_ 005
configurations at the pore-scale is essential to quantify the T ™

performance of hydrocarbon reservoirs at the macro-
scale. The local capillary pressure was calculated from the
measured mean interfacial curvature using the Young-
Laplace law

P. =20k

)

The interfacial tension, g, was measured to be 27.9 +
0.64 mN/m at 60 °C. The curvature was determined on the
smoothed oil/brine interfaces by the average of the two
principal curvatures: k = (k; + k)/2, [20, 21, 25, 26].
The brine/oil interfacial curvature at f,=0.5 measured on
the sample volume of 2 x 2 x 2 mm?® is shown in Figure
10. We observe both positive and negative values. The
curvature histogram of 4.5 million measured values at
fw=0.5 is shown in Figure 11, with a negative average
value (-0.011 £ 0.042 um') which results in the negative
capillary pressure of -590 Pa.

2mm

Fig. 10: Interfacial curvature (um™) at fw=0.5 where blue
shows negative values and red shows positive values.
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Fig. 11: Interfacial curvature distribution of 4.5 million
measured values at fw=0.5.

Capillary pressures calculated from the brine/oil
interfacial curvature measurements for f;, ranging from 0
to 0.95 are presented in Figure 12. They all have negative
values ranging from -150 Pa to -630 Pa. This confirms
that the fluid pressures are higher in brine than in oil,
which is a characteristic of predominantly oil-wet media.
Moreover, capillary pressure decreases with increasing
water fractional flow.
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Fig. 12: The capillary pressure estimated from the average
curvature of the oil-water interfaces plotted as a function of
water saturation.

4 Conclusions and implications

Relative permeability and capillary pressure were
measured simultaneously on a mixed-wet carbonate
reservoir rock by conducting a steady-state experiment
using crude oil and prepared doped formation brine from
the same reservoir at subsurface conditions. Our main
conclusions and implications from this work are:

* The relative permeability was measured by using
water saturation quantified on X-ray segmented images
and by measuring the pressure differential measured
across the sample by a pressure transducer. The cross-
over of the relative permeability was above 60%
indicating favourable oil recovery.

* The capillary pressure was determined from the
average of the local interfacial curvature. As expected for
a predominantly oil-wet system, the capillary pressure
was negative and decreased with increasing water
fractional flow.

+ Differential imaging was used to quantify fluid
saturation in both macro-porosity and micro-porosity
(sub-resolution). Hence, this work presents a procedure to
perform oil and brine saturation quantification in micro-
porous carbonate reservoir rocks, facilitating further
studies to quantify oil recovery from macro- and micro-
porosity for different reservoir systems.
*  The results from this work could be used in future to
benchmark pore-scale modelling to enhance the
prediction of the multiphase flow in complex carbonate
Teservoirs
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